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NOMENCLATURE 
 

Abbreviation   

CO2 Carbon dioxide %, or Fraction 

k permeability md 

kr Relative permeability Fraction 

krgo Relative permeability of gas in the presence 

of oil 

Fraction 

kro Relative permeability of oil in the presence 

of gas 

Fraction 

Swi Initial water saturation %, or Fraction 

So Oil saturation  %, or Fraction 

Soc Critical oil saturation %, or Fraction 

xi Molar fraction of component i in the liquid 

phase 

Fraction 

yi Molar fraction of component i in the vapor 

phase 

Fraction 

LDO Liquid drop-out %, or Fraction 

API Oil density in API units Degrees 

GOR Gas oil ratio Scf/stb 

C7+ Heavy fraction composition %, or Fraction 

Pwf Bottom hole pressure Psia 

Pr Reservoir Pressure Psia  

cp Centipoise Cp 

IFT 

MMP 

Interfacial Tension  

Minimum Miscibility Pressure 

mN/m 

Psia 

TBP True Boiling Point  

CCE Constant Composition Expansion  

MCT Multiple Contact Test  

SPSP Sinlge Porosity – Single Permeability  

EOS 

MMscfd 

Equation of State 

Millions standard cubic feet per day 

 

MMbbls Millions of stock tank barrels  

HCPVI Hydrocarbon Pore Volume Injected  

QGI Gas Injection Rate Mscfd 

PAVH Average Pressure weight by HC PV psia 

PBU Pressure Build up  
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Subscripts and superscripts 

 

Variable  Unit  Name  

# script represent a constant term, unvariable with time  

n script temporal index representing full time step  

m index  component index, typically runs from 1..NC − 1 

m' index  primary variable component index, typically runs, from 1..NC − 2 

o script oil phase 

g script gas phase  

w script water phase  

i index  spatial index in x-direction  

j index  spatial index in y-direction  

k index  spatial index in z-direction  

   

  
 
 

Variables used in the mathematical formulation  

   

Variable Unit Name  

𝑋𝑚 fraction Mole fraction in oil phase 

𝜉𝑜 Lbmol/ft3 Molar density of oil phase 

𝜆𝑜 1/cp Mobility of oil phase (inverse viscosity) 

k md Permeability  

𝑃𝑜 psi Pressure measured in oil phase  

𝛾𝑜 Psi/ft Specific gravity of oil phase  

D Ft Depth 

𝑌𝑚 fraction Mole fraction in gas phase 

𝜉𝑔 Lbmol/ft3 Molar density of gas phase 

𝜆𝑔 1/cp Mobility of gas phase (inverse viscosity) 

𝑃𝑐𝑔𝑜 psi Gas oil capillary pressure  

𝛾𝑔 Psi/ft Specific gravity of oil phase  

𝑊𝑚 fraction Mole fraction in water phase 

𝜉𝑤 Lbmol/ft3 Molar density of water phase 

𝜆𝑤 1/cp Mobility of water phase (inverse viscosity) 

𝑃𝑐𝑜𝑤 psi Water oil capillary pressure  

𝑞𝑤 Ft3/day Water rate 

𝑞𝑜 Ft3/day Oil rate 

𝑞𝑔 Ft3/day Gas rate 
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∅ fraction Porosity 

𝑆𝑔 fraction Gas saturation 

𝑆𝑜 fraction Oil saturation 

𝑆𝑤 fraction Water saturation 

𝑁𝑐 Unitless Number of components 

𝑓𝑜𝑚 Psi Oil phase fugacity of m -component 

𝑓𝑔𝑚 Psi Gas phase fugacity of m -component 
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CHAPTER I 

 

INTRODUCTION 
 

1.1 Overview 
 

According to the Global Energy Statistical Yearbook 2019, the global energy consumption from oil 

and gas represented 55% of the total demand in 2018. While power generation of the renewables 

sources rises and become more economical, the transition requires to improve the strategies to 

maximize the oil and gas recovery factor. They should be implemented with minor environmental 

impacts as possible.  

The Colombian ministry of mines and energy published that the oil reserves at the end of 2018 

were 1958 MMbbls and it would cover six years of the national consumption. The demand for the 

Colombian gas market will be around 1370 GBTUD by 2030, according to the UPME. The 

reserves/production ratio for natural gas in Colombia is 13 years. These poor indicators 

demonstrate the importance to invest in the exploration of new fields and the execution of 

enhanced recovery methods.  

The CO2 injection is a promising method to enhance the recovery of gas and oil fields while 

extensively reducing greenhouse gas emissions (Al-Abri, 2011). Since the 1970s, CO2 injection has 

been successfully proved as an enhanced recovery method in the U.S and several pilots around the 

world (Kane A.V.,1979, Oxy Denver Unit CO2 Subpart RR Monitoring, 2015, Ren, S., Niu, A., Ren, B., 

Li, Y., Kang, W., Chen, G. Zhang, H., 2011, China National Petroleum Corporation, 2011). In 

Colombia, some efforts were made in the past, and few works have been published (G. Maya, R. 

Castro, A. Lobo, et al., 2010, D. Rodriguez, F. Monsalve, 2009). Due to the CO2 availability, the 

selection of pilots, the operational problems and costs, the technology development in Colombia 

has been paused.  

Gas condensate reservoirs are initially in the gas phase. They can supply of gas and oil according to 

the operational conditions of the separation system, what it is interesting for the goals of the 

Colombian energetical demand. This type of reservoirs exhibits a complex phase behavior which is 



14 Evaluation of CO2 Flooding as an Enhanced Recovery Method in a Gas Condensate Reservoir 

 

 
 

characterized by the condensate generation when the pressure decreases below the dew point. 

The problem with the condensation in the reservoir is that the liquid remains immobile due to the 

capillary forces until a critical liquid saturation is reached. The condensation reduces the well 

productivity as a new liquid phase appears in the rock, the gas flow is restricted due to the space 

occupied by the condensate. The relative permeability curves describe the competence between 

the gas and condensate for the flow. 

Condensation effects in reservoir deliverability can be prevented by maintaining the pressure 

above the dew point or in general, as high as possible. This approach requires the injection of some 

fluids as lean gas, N2, or CO2.  

The CO2 injection enhances the recovery of gas and condensate due to: 

-            The pressure support: If the pressure maintenance is executed since the beginning of the 

production and the reservoir pressure is kept above the dew point, condensation will not occur in 

the rock, and it is possible to maximize the condensate recovery at the surface. For reservoirs with 

pressure below the dew point, the pressure maintenance will reduce the condensation speed and 

mitigates the pore throat blockage that affects the well productivity. 

-            Condensate saturation reduction: when condensation occurs in the reservoir, the condensate 

will not be mobile until a critical saturation is reached. CO2 injection enhances the condensate 

saturation recovery due to the swelling processes (So increases and become mobile because of the 

swollen condensate volume), the viscosity reduction, the interfacial tension reduction and the 

vaporization of components from the condensate. The evaluation of CO2 injection into a gas 

condensate reservoir is the subject of this study. 

1.2 Research objectives  
 

The objective of this work is to evaluate through numerical simulation, the effects of CO2 injection 

in the condensate recovery factor, the reservoir pressure impacts in the recovery efficiency, the 

compositional changes of the produced fluids and the production mechanisms. The specific 

objectives can be summarized as follows: 

1. Validate an EOS model with experimental phase behavior data of reservoir fluids and CO2.  

2. Evaluate the effects of CO2 injection rates in the condensate recovery factor in a 

hypothetical gas condensate reservoir through numerical simulation.  

3. Evaluate the impact of the reservoir pressure in the performance of CO2 injection through 

sensitivities in the starting of the CO2 injection. 
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CHAPTER II 
 

LITERATURE REVIEW 
 

2.1 Gas condensate reservoirs 
 

According to Whitson (2000), the classification of a reservoir fluid could be done by identifying: 
 

1. The reservoir temperature in the P-T diagram concerning the critical and the 
cricondentherm temperatures. 

2. The separator conditions in the P-T diagram.  
 

The temperature of the gas condensate reservoirs is higher than the critical temperature and less 
than the cricondentherm (B point in Figure 1). The first stage of the separator conditions is located 
in the 2-phases region (A2 point).  These reservoirs are commonly found in the range of 3,000 - 
10,000 psi and 200 - 400 °F (Roussennc, 2001).  
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Figure 1. Phase envelope of a gas condensate reservoir. Source: Terry, Ronald E., J. Brandon. 

Rogers, and B. C. Craft. Applied Petroleum Reservoir Engineering. Third ed. Massachusetts: Prentice 

Hall, 2014. Print. 

 
Once the production starts, the reservoir pressure decrease at an isothermal condition. When the 
saturation pressure is reached, the liquid hydrocarbon is generated. The liquid drop-out starts to 
increase as the reservoir depletion is more significant (Figure 2). The quantity of liquid hydrocarbon 
depends on the depletion degree and the gas condensate composition. Further pressure depletion 
will increase the liquid drop-out until a maximum value; then the liquid starts to be vaporized. 
  
The problem with the condensation in the reservoir is that the condensate remains immobile due 
to the capillary forces until a critical liquid saturation is reached. The well productivity is reduced 
as a new phase appears in the rock, the gas flow is restricted due to the space occupied by the 
condensate. The competence for the flow is described with the relative permeabilities curves as 
presented in Figure 3.  
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Figure 2. Liquid drop-out of a gas condensate reservoir. 

 

 

 

 

 

 

 

 

 

 

 

Figure 3. Condensate saturation profile and relative permeability curves concerning the pressure 

depletion in a gas condensate reservoir.  

Three fundamental forces control the flow of gas and condensate in the porous media: capillary, 
gravitational, and viscous forces. Within the reservoir where the flow velocities are low, the 
capillary and gravitational forces rule the flow. In the near-wellbore, where high velocities are 
found due to the higher drawdown and reduced flow area, the flow is dominated by the viscous 
and capillary forces (Ursin, 2004). 
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According to Fevang and Whitson, 1995; Ali et al.1997; Gringarten and Al-Lamki, 2000, three 
regions could be identified in a gas condensate reservoir when the bottom hole pressure is below 
the saturation pressure (Figure 4): 
 
I Region: located far from the producer well. In this zone, the reservoir pressure is above the 
saturation pressure; only the gas phase is present and it flows slowly. This region will eventually 
disappear as the depletion increases and the pressure reaches the dew point.  
 
II Region: the outer boundary is the distance in the reservoir where the pressure is just below the 
dew point, at this region the liquid hydrocarbon is formed and start the competence for the space 
to flow. The inner boundary is the distance in the reservoir where the condensate saturation is 
about to reach the critical saturation. Under this condition, only gas flows and it loses some heavier 
components in the immobile liquid phase. 
 
III region: it is the closest region to the well in which the pressure is as low that the condensate 
reaches the critical saturation and the two phases can flow at constant composition. 
 

 

Figure 4. Flow regions in a gas condensate reservoir concerning the distance from the producer 
well. 

The typical composition of a gas condensate reservoir has a heavy fraction between 6% < C7+ 

<12.5% molar, API in the range of 40-60 and GOR between 3,200 - 150,000 scf/stb (Whitson, 2000). 

The GOR remains constant until the saturation pressure is reached; further depletion will increase 

the GOR as the condensate remains immobile in the reservoir.  
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To prevent the impacts of the condensation in the reservoir is recommended to maintain the 

reservoir pressure above the dew point or at least as higher as possible, this approach requires the 

injection of some fluids as lean gas, N2 or CO2. Once the condensation is present, the damage could 

be mitigated by changing the phase behavior of the reservoir fluids with some treatments as 

methanol, using chemicals to reduce the interfacial tension, executing hydraulic fracturing or 

injecting lean gas or CO2 (Henderson et al., 1991, Li and Firoozabadi, 2000). 

 

2.2 The Principles of CO2 injection as an enhanced recovery 

method. 
 
CO2 Injection is an enhanced recovery method, usually preceded of primary production and 
waterflooding projects; the objective is to recover the remaining oil by contacting, vaporizing and 
mobilizing non-swept oil. CO2 injection has been historically implemented in medium to light oils 
(API >28°, viscosity < 3 cp). 
 
CO2 injection derives in several displacement mechanisms, including solution gas drive, immiscible 
displacement, multi-contact miscible, and miscible (Brown, 2014). Most reservoir rock types, 
including sandstones and carbonates, are suitable for CO2-EOR application provided good reservoir 
connectivity is present. 
 
The main CO2 recovery mechanisms are related to (Holm and Josendal, 1974. Tabrizy, 2012):  
 

I. Oil swelling, It can increase the oil volume by 10-50% (Klins and Farouq Ali, 1984). The 
swollen oil ejects the oil volume around it and increases the oil saturation. 

II. Viscosity reduction. CO2 improves the mobility ratio and sweep efficiency. 
III. The generation of Carbonic acid when CO2 is dissolved in water (for carbonate rocks). It 

increases the porosity and stabilizes the clays in shaly formation, which also increases the 
injectivity (Holm and Josendal, 1974).  

IV. IFT reduction and miscibility.  
V. Vaporization of lighter components from the oil. 

VI. Reservoir pressure support. 
 

The CO2 critical pressure and temperature are 1070,6 psia and 31,1°C, respectively. At higher 
conditions (most field cases), the density becomes like that of a liquid and viscosity remains like 
that of a gas. The miscibility of the supercritical CO2 with the contacted oil improves the fluid phase 
behavior and increase the sweep efficiency.  
 
The understanding of HC/CO2 phase behavior has a strong impact (Grigg and Schechter, 1997) on 
the simulated benefits of the CO2-EOR and in general for all gas injection processes. Phase behavior 
directly affects the recovery efficiency (Whitson, 2000): 
 

I. Viscosities affect the mobility ratio and so the areal and vertical sweep efficiency.  
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II. The phase densities control the segregation degree, affecting the vertical sweep efficiency. 
III. Interfacial tensions and miscibility affect the residual oil saturation and so the microscopic 

displacement efficiency.  
 

To understand the behavior of the fluids, engineers can use tuned Equations of State (EOS) with 
especial PVT fluid studies as swelling tests, multi-contact tests, MMP & IFT measurements. 
 
Miscible injection typically yields higher recoveries than immiscible processes. The driving criteria 
is to inject CO2 above the MMP (minimum miscibility pressure), in which CO2 and the contacted 
fluid form a single phase. MMP is defined as the pressure where 90% of the recovery factor is 
reached when 1,2 HCPV of CO2 is injected. MMP is estimated via slimtubes tests or IFT 
measurements.  
 
According to Holm and Josendal, high content of C5-C12 in the oil decreases the MMP. Aromatic 
oils have in general a lower MMP in comparison to the paraffinic oils. The mix of CO2 with methane, 
N2 and C2-C4 fractions have a significant effect on the MMP. C1 & N2 tend to increase MMP, whilst 
C2-C4 tend to reduce the MMP. 
 
The CO2 miscibility mechanisms are described in Figure 5 (Stalkup, 1983). 
 

 

 

 

Figure 5. CO2 miscibility mechanisms. Author 

In vaporizing gas-drive, the mass transfer occurs when the gas contacts the oil extracting light and 

intermediate components; the gas become richer (Danesh, 1998). In condensing gas-drive, the 
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contact between the rich gas and the oil yields mass transfer by condensing of some fractions of 

intermediate components into the oil.  Figure 6 shows a schematic of miscible CO2 flooding.  

 

Figure 6. Schematic of the miscible CO2 flooding process (adapted from Holm and Josendal, 

1974). 

 

Although miscible conditions are desirable, the immiscible CO2 improves the oil mobility by 
swelling and reducing the viscosity. CO2 can reduce in several orders of magnitude the viscosity of 
high viscosity oils. Low-pressure reservoirs and reservoirs with API <30° are typical candidates for 
immiscible CO2 displacement (Whitson, 2000). 
  
The CO2 injection can be continuous, alternated with water (CO2-WAG) or Huff and Puff type. WAG 
is a standard method to improve sweep efficiency. CO2 injection is performed in patterns (Verma, 
2015), being the most widely used the five-spots, inverted five-spots, and in some cases, seven- or 
nine-spots patterns.  
 
There are mathematical formulations to simulate the solubility of CO2 in water (Chase and Todd, 
1984) included in some commercial software. CO2 solubility in water may affect the recovery 
efficiency if there is a loss of CO2 into the remaining contacted water. 
 
CO2 injection can cause asphaltenes precipitation. That can block the porous throats sizes thus 
reducing productivity or injectivity of the wells as observed by Monger & Trujillo during CO2 
flooding tests. 
 
When dealing with naturally fractured reservoirs, there is another mass transport mechanism to 
be considered which is molecular diffusion. Darvish (2007) presented an experimental study in a 
chalk core to reproduce the phenomenon; CO2 was injected into the core with an annular setting 
to emulate the natural fracture effect. The experiment was simulated with the conventional 
formulations, but it could not reproduce the final recovery factor due to the prediction of an 
accelerated recycling process. When the simulation included the molecular diffusion model of 
Leahy-Dios and Firoozabadi, the results matched the experimental data (Figure 7).  
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Darvish explains the occurrence of mass flux between the CO2 that flows through fractures and the 
fluids in the matrix due to differences in chemical potential. This mass exchange promotes an 
improvement in the phase behavior of the contacted fluid and lets it flow easily.  
 

 

Figure 7. Simulation of a CO2 flooding experiment, with and without Molecular diffusion. Darvish 

2007. 

CO2 injection into gas condensate reservoirs 

The CO2 injection is a promising method to enhance the recovery of gas and condensate due to: 

- The pressure support:  If the pressure maintenance is executed from the beginning of the 

production and the reservoir pressure is kept above the dew point, condensation will not occur 

in the rock, thus maximizing the condensate recovery at surface. For reservoirs with pressure 

below the dew point, the pressure maintenance will reduce the condensation rate and 

mitigates the pore throat blockage, which affects the well productivity. 

 

- Condensate saturation reduction: when condensation occurs in the reservoir, the condensate 

will not be mobile until a critical saturation is reached. An important part of it will remain 

unrecoverable due to the capillary forces. CO2 injection enhances the condensate saturation 

recovery due to the swelling processes (Condensate saturation increases and become mobile 

because of the swollen condensate volume), the viscosity reduction, the interfacial tension 

reduction, and the vaporization components from the condensate. 
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2.3 Modeling CO2 injection 

The simulation of gas injection processes like the miscible or immiscible CO2 flooding requires the 
use of a fully compositional multiphase flow model in porous media. The complexity of the fluids 
phase behavior and the compositional changes is reproduced with the use of Equations of State 
(EOS) (Aziz & Settari 1979, Chavent & Jaffre 1986, Danesh 1998, Firoozabadi 1999) 

The compositional reservoir simulation must represent the simultaneous transport of all described 

components in all possible phases in the porous media. It involves solver a large system of non-

linear equations arising from the discretization of partial differential equations (PDEs) for modeling 

the fluid flow (Schmall, L., Varavei, A., & Sepehrnoori, K. 2013). The mathematical model presented 

in this document is one of the many possible formulations. 

The general formulation to describe the fluid flow involves the mass balance equations, flow 
formulations, and the equation of state: 

The mass balance formulation for an infinitesimal element during a time interval is as follows: 

[
𝑄𝑢𝑎𝑛𝑡𝑖𝑦 

𝑜𝑓 𝑚𝑎𝑠𝑠 𝑖𝑛
]

∆𝑡

−  [
𝑄𝑢𝑎𝑛𝑡𝑖𝑦 

𝑜𝑓 𝑚𝑎𝑠𝑠 𝑜𝑢𝑡
]

∆𝑡

± [
𝑄𝑢𝑎𝑛𝑡𝑖𝑡𝑦 𝑜𝑓

𝑚𝑎𝑠𝑠 𝑏𝑦 𝑠𝑜𝑢𝑟𝑐𝑒𝑠
𝑜𝑟 𝑠𝑖𝑛𝑘𝑠

]

∆𝑡

=  [𝐴𝑐𝑢𝑚𝑚𝑢𝑙𝑎𝑡𝑖𝑜𝑛]∆𝑡 

Equation 1. Mass balance concept.  

The mass balance is done for each described component and coupled with flow equations and 
fluids properties. The following set of equations describes the differential equations used to solve 
compositional flow in a porous medium (Brown, 2014). For all components (Nc), the mass balance 
is: 

 

 

0.006328 ∇ ∙ (𝑋𝑚𝜉𝑜𝜆𝑜𝑘(∇𝑃𝑜 − 𝛾𝑜∇𝐷)) +  0.006328 ∇ ∙ (𝑌𝑚𝜉𝑔𝜆𝑔𝑘(∇𝑃𝑜 − ∇𝑃𝑐𝑔𝑜 − 𝛾𝑔∇𝐷))

+  0.006328 ∇ ∙ (𝑊𝑚𝜉𝑤𝜆𝑤𝑘(∇𝑃𝑜 − ∇𝑃𝑐𝑜𝑤 − 𝛾𝑤∇𝐷))

+  (𝑋𝑚𝜉𝑜𝑞𝑜 + 𝑌𝑚𝜉𝑔𝑞𝑔 + 𝑊𝑚𝜉𝑤𝑞𝑤) =  
𝜕

𝜕𝑡
(∅(𝑋𝑚𝑆𝑜𝜉𝑜 + 𝑌𝑚𝑆𝑔𝜉𝑔 + 𝑊𝑚𝑆𝑤𝜉𝑤 )) 

 

 

Equation 2. Differential equations used to solve compositional flow in a porous medium for Nc 
components. 

The symbol ∇ denotes the divergence to simplify the expression: 
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∇=  
𝜕

𝜕𝑥
𝑖 +  

𝜕

𝜕𝑥
𝑗 +

𝜕

𝜕𝑥
𝑘 

Equation 3. Divergence meaning. 

The molar constraints are defined as: 

∑ 𝑋𝑚 = 1 →  𝑋𝑁𝑐−1 = 1 − ∑ 𝑋𝑚′

𝑁𝑐−2

𝑚′

𝑁𝑐−1

𝑚

 

∑ 𝑌𝑚 = 1 →  𝑌𝑁𝑐−1 = 1 − ∑ 𝑌𝑚′

𝑁𝑐−2

𝑚′

𝑁𝑐−1

𝑚

 

Equation 4. Molar constraints 

As water is not considered to be part of the hydrocarbon liquid and gas phases, the upper limit of 
the sums are Nc-1 and not Nc.  

For H2O component, the general equation is simplified, considering it is present in the aqueous 
and CO2 phases:  

0.006328 𝛻 ∙ ((1 − 𝑊𝐶𝑂2)𝜉𝑤𝜆𝑤𝑘(𝛻𝑃𝑜 − 𝛻𝑃𝑐𝑜𝑤 − 𝛾𝑤𝛻𝐷)) +  ((1 − 𝑊𝐶𝑂2)𝜉𝑤𝑞𝑤)

=  
𝝏

𝝏𝒕
(∅(𝟏 − 𝑾𝑪𝑶𝟐)𝑺𝒘𝝃𝒘 )) 

Equation 5 Differential equation used to solve compositional flow in a porous medium for H2O. 

The thermodynamic constraints represent the equilibrium conditions between the liquid and gas 
hydrocarbon phases. There are Nc-1 thermodynamic constraints evaluated at time n+1. 
Thermodynamic equilibrium is reached when the fugacity of the hydrocarbon liquid phase is equal 
to the fugacity of the hydrocarbon gas phase, as follows:  

𝒇𝒐𝒎
𝒏+𝟏 = 𝒇𝒈𝒎

𝒏+𝟏 

Equation 6. Fugacity constraint. 

The fugacity is calculated based on the equation of state (e.g.. Peng Robinson Equation of State). 

Saturation constraint is expressed by: 

𝑆𝑜 +  𝑆𝑔 + 𝑆𝑤 = 1 

Equation 7. Saturation constraint. 
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Solution Strategy for the differential equations 

Once the formulations are described, they must be solved simultaneously for each grid block 
(Schmall, L., Varavei, A., & Sepehrnoori, K.). The solution is obtained via numerical methods due to 
the non-linearity of the differential equations. There are several methods to approach the 
derivative solution; depending on the reference time for the solution of each term; they could be 
implicit or explicit. In general, Explicit approach solves in t=n and requires initial and boundary 
conditions. The implicit approach solves in t=n+1, and an equations system is created to be solved 
simultaneously.  

The solution strategy considers classifying the unknown variables into primary or secondary 
variables. The primary variables are solved first, and the secondary variables calculated 
subsequently. Due to the number of unknown variables, different sets of them could be selected 
as primary or secondary, and so many solutions are possible.  

The most common approach is to consider pressure, saturation, and molar fractions as the primary 
variables (Coats, 1980).  

In the IMPES method, P is solved implicit (time= n+1) and explicit saturation. In the IMPSEC 
formulation, both pressure and saturation terms in the spatial derivatives are calculated in t=n+1 
and explicit composition (the basic idea of this method is to reduce the system of equations (2Nc+6) 
per grid block (Rodriguez, F. & Galindo-Nava, A. 1994). In the FULLY IMPLICIT formulation, all 
primary variables are solved at t=n+1.  

According to Brown (2014), the IMPES formulation is computationally very efficient. The IMPSEC 
formulation captures additional variability in the saturation with the possibility of larger stable time 
steps. A fully implicit method is computationally inefficient. 

IMPES formulation in finite differences of Equation 2 is: 

0.006328 ∇ ∙ (
𝑋𝑚

𝑛𝜉𝑜
𝑛

𝜇𝑜
𝑛 𝑘𝑟𝑜

𝑛 𝑘#(∇𝑃𝑜
𝑛+1 − 𝛾𝑜

𝑛∇𝐷#)) +  0.006328 ∇

∙ (
𝑌𝑚

𝑛𝜉𝑔
𝑛

𝜇𝑔
𝑛 𝑘𝑟𝑔

𝑛 𝑘#(∇𝑃𝑜
𝑛+1 + ∇𝑃𝑐𝑔𝑜

𝑛 − 𝛾𝑔
𝑛∇𝐷#)) +  0.006328 ∇

∙ (
𝑊𝑚

𝑛𝜉𝑤
𝑛

𝜇𝑤
𝑛 𝑘𝑟𝑤

𝑛 𝑘#(∇𝑃𝑜
𝑛+1 + ∇𝑃𝑐𝑜𝑤

𝑛 − 𝛾𝑤
𝑛∇𝐷#))

+ (𝑋𝑚
𝑛𝜉𝑜

𝑛𝑞𝑜
𝑛 + 𝑌𝑚

𝑛𝜉𝑔
𝑛𝑞𝑔

𝑛 + 𝑊𝑚
𝑛𝜉𝑤

𝑛𝑞𝑤
𝑛)

=  
1

∆𝑡
(∅𝑛+1(𝑋𝑚

𝑛+1𝑆𝑜
𝑛+1𝜉𝑜

𝑛+1 + 𝑌𝑚
𝑛+1𝑆𝑔

𝑛+1𝜉𝑔
𝑛+1 + 𝑊𝑚

𝑛+1𝑆𝑤
𝑛+1𝜉𝑤

𝑛+1 ))

−
1

∆𝑡
(∅𝑛(𝑋𝑚

𝑛𝑆𝑜
𝑛𝜉𝑜

𝑛 + 𝑌𝑚
𝑛𝑆𝑔

𝑛𝜉𝑔
𝑛 + 𝑊𝑚

𝑛𝑆𝑤
𝑛𝜉𝑤

𝑛 )) 

Equation 8. IMPES formulation for solving differential equations for Nc components.  
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CHAPTER III 
 

NUMERICAL SIMULATION OF CO2 FLOODING 
INTO A GAS CONDENSATE RESERVOIR  

 

3.1 Reservoir model description and assumptions 

A hypothetical simulation model was created using the information of a Colombian gas condensate 

reservoir.  

The reservoir is composed by folded and overlapped tight sandstone formations characterized by 

a very low matrix permeability (~0.1md in average), porosities of around 4% and natural fractures 

systems which enhance wells productivity. The model includes six main compartments for the 

principal structure with partial communication between some of them.  

Although the simulations were run using a full-field model, the scope of the work was focused on 

evaluating the CO2 injection pilot in a single formation, called M sand henceforth. The grid used 

for the simulations was non-orthogonal and non-structured comprising 178 x 26 x 10 cells and 

modeled as single porosity and single permeability. 

The matrix permeability varies from 0.002 to 2.8 md. To consider the permeability improvement 

due to natural fractures system, a new matrix-fracture permeability model was created using 

multiple PBU interpretation results.  Figure 8 shows the matrix-fracture permeability distribution 

for the M sand. 
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Figure 8. Permeability model (Matrix + Fracture). 

 

The objective of using the full field model instead of a sector model was to understand the 
incremental oil benefits due to the recycling processes and regional pressure maintenance. Thus, 
incremental oil is not only expected in the primary producer well but also at field level.  
 
The study was conducted for a gas condensate field evidencing the presence of compositional 
gradients from gas condensate in the crest to volatile oil in the flanks for M sand. 
 
A fluid description was done in the past considering basic PVT and vaporizing studies with lean gas; 
it resulted in a 12 pseudo-components EOS tuned with the available experimental data. Several 
compositions versus depth tables were created to represent the compositional grading; they were 
used for initializing the different reservoir compartments. The initial reservoir pressure was 6600 
psi at 13400 ft TVDSS, and the saturation pressure varies from 5400 – 6400 psi due to the 
compositional variation with depth. Table 1. summarizes the reservoir model description.  
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Table 1. Reservoir model description 

 

Reservoir model description  

Lithology  Sandstone  

Grid  178 x 26 x 10  

Grid block size  (ft) 500 x 500 x 70  

Grid model  Single porosity and  single permeability  

Average matrix permeability md  0.1 

Average porosity % 4%  

Datum pressure (psi) 6600 

Datum temperature (°F) 260 

Fluid type  Gas condensate  

OOIP (MMbbls) 154 

Aquifer type  Numerical  (weak aquifer) 

Simulation end date Dec-2035 

Datum composition  

Pseudocomponent Molar fraction  

 CO2       0.0340 

 N2        0.0055 

C1        0.7263 

C2       0.0803 

 C3        0.0406 

C4      0.0251 

C5-6     0.0196 

C7-10    0.0358 

C11-14    0.0138 

C15-20    0.0111 

C21-29     0.0056 

 C30+ 0.0022 

 

The field has been produced under lean gas injection with partial voidage. A significant quantity of 

gas is sold, and depletion increases rapidly. Historically, the gas injection in the M sand was focused 

at the center and north region of the structure due to the facility infrastructure. Thus, the derived 

development strategy led to negligible pressure support to the south of the structure, causing 

condensate banking and water intrusion from the aquifer.  
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The M sand has two injector wells and eight producer wells. Due to the lack of gas injection in the 

south zone of the reservoir and the relatively low recovery factor, the zone was selected to evaluate 

the effects of CO2 flooding through numerical simulation.  

For estimating the final oil recovery factor after the deployment of the different strategies, a report 

region was created in the south of the structure as depicted by Figure 9. The Well-7 was evaluated 

as CO2 injector while the Well-5 was the principal producer in the project due to the proximity to 

the injector (2.3 km).  

 

Figure 9. Simulation region for report purposes. 

 

Assumptions  

 Non-Darcy flow effects were considered.  

 Single porosity single permeability grid (SPSP). 

 No molecular diffusion was considered as SPSP was used. 

 Compositional gradients considered. 

 Constant CO2 injection rates simulated. 

 The gas sale is included and it is unaffected for the incremental composition of CO2 in the 

gas stream after the breakthrough.  

 Full-field gas reinjection is considered, CO2 is injected only in Well-7.   

3.2 Specialized PVT studies for CO2 modeling. 

The simulation of gas injection processes like the miscible or immiscible CO2 flooding requires the 

use of a fully compositional multiphase flow model in porous media. The complexity of the fluids 

Well-7 

Well-5 
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phase behavior and the compositional changes is modeled through Equations of State (EOS) (Aziz 

& Settari 1979, Chavent & Jaffre 1986, Danesh 1998, Firoozabadi 1999). 

Several specialized PVT experiments must be designed to tune the EOS and describe the phase 

behavior of CO2 correctly when it is mixed with the reservoir fluids. The lack of this information 

when CO2 flooding is simulated could lead to serious errors, as the incremental oil benefits are 

substantially dependent on the phase behavior and mass transfer calculations.  

Some of the standard specialized PVT experiments conducted when CO2 injection is evaluated are 

the minimum miscibility pressure test (through slim-tube experiments or IFT method), Multiple 

Contact Experiments (backward or forward), Swelling tests, Interfacial Tension tests.  

All the above experiments were carried out for the reference gas condensate field. The original gas 

condensate was obtained by recombining separator gas and oil samples at the initial GOR of M 

sand; then it was depleted at the reference pressure and constant reservoir temperature of 275°F. 

The reference was defined as the pressure at the time when the project could be implemented; 

the value was 4000 psi (below the saturation pressure). Equilibrium liquid condensate at 4000 psi 

was collected and then used for the experiments. 

The executed experimental program was as follows: 

 Compositional analysis of equilibrium condensate at 4000 psi. 

 CCE of condensate at equilibrium at 275°F. 

 4-points of swelling with CO2 at 40, 80, 135, 172 % mol (% of the original condensate mols), 

swollen volume, density, and saturation pressure measured. 

 CCE of each swelling point at 275°F. 

 Viscosity measurement of each swollen mix at 275°F. 

 Compositional analysis of the final mix (at 172% mol). 

 Multi-contact test (5 contacts)  

3.3 Equation of state model. 

Before this reservoir simulation study, a 12 pseudo-component EOS model had been created using 
basic PVT and vaporizing experiments with lean gas. That model was useful to reproduce the fluid 
properties and phase behavior under depletion and lean gas injection strategies.  
This EOS model was used to predict the new experimental tests with CO2. Figure 10-11 show the 
match between the experimental data of the swelling test and the EOS prediction. As observed in 
those figures, the EOS could not reproduce the results of the swelling test. Saturation pressures 
were overestimated, implying conservative benefits for CO2 injection. The miscibility and 
vaporizing mechanisms were not adequately represented.  
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Figure 10. Experimental swollen volume versus simulated results for the swelling test with CO2. 

 

Figure 11. Experimental saturation pressure versus simulated results for the swelling test with 
CO2. 

 

The mismatching of the former EOS was completely expected as the fluid model was created using 
only vaporization studies with lean gas, and it did not include CO2 injection tests. 
 
To tune the equation of state with the new specialized PVT information, some regressions were set 
using the fluid simulator software Winprop of the CMG company. The interaction coefficients were 
selected as the regression parameters. Critical properties of the fluid model had already been 
calibrated with the former basic PVT and TBP studies from several wells; minimum changes were 
done for these parameters. 
 
Figure 12Figure 18 show the match of the new EOS model with the experimental data. After 
multiple regressions, the new EOS model was obtained with a good match of all CO2 experimental 
data. 
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CCE of the condensate at equilibrium at 275°F: 

  

Figure 12. CCE of the condensate at equilibrium 

 

4-points of swelling with CO2 at 40, 80, 135, 172 % mol 

 

 

Figure 13. Experimental saturation pressure versus new EOS results for the swelling test with 
CO2. 
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Figure 14. Experimental swollen volume versus new EOS results for the swelling test with CO2. 

 

CCE of Mix-1 (40% mol) at 275°F: 

 

Figure 15. CCE of Mix-1. Comparison of simulated vs. observed data. 
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CCE of Mix-3 (135% mol) at 275°F: 

 

Figure 16. CCE of Mix-3. Comparison of simulated vs. experimental data. 

 

Mix- D composition (172% mol added) 

.  

Figure 17. Mix-D composition, simulated vs. experimental data 

 



 35 

 

 

Multi-contact test (5 contacts)  

 

 

Figure 18. Simulated MCT vs. experimental data. 

 

3.4 CO2 injection sensitivities 

Multiple injection scenarios were set to evaluate the effects of CO2 injection rates and reservoir 

pressure in the condensate production and ultimate recovery. The evaluation of reservoir pressure 

was conducted with sensitivities varying the starting date of injection. 

As mentioned in the above chapters, the injection was focused on the south zone of the M sand; 

only one well was evaluated as CO2 injector. Figure 19 shows the oil saturation condition of the 

region in a 3D view, and the wells set up before injection. 

Three constant CO2 rates were evaluated: 17, 25, and 35 MMscfd. All cases were run until the same 

date (estimated abandonment date). 

For the reservoir pressure sensitivities, three dates were chosen as the starting date of injection: 

June of 2014, June of 2019 and June of 2024, which correspond to a reservoir pressure of 5250, 

4650 and 4230 psia respectively. For each date, the above three rates were evaluated. 

The evaluated reservoir pressures are below the dew point, and two phases are present in the rock: 

oil (condensate) and gas. The minimum miscibility pressure of the condensate (condensate liquid 

from the gas) was measured through IFT with the pendant drop method. The MMP was around 
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4550 psi; it means that in the first two scenarios the CO2 flooding is miscible with the condensate 

at the first contact (while pressure is kept above MMP) 

The history match of the full field model was run until 2018. Nevertheless, as one of the objectives 

was to evaluate the injection at high reservoir pressures (2014 year), the Well-5 was constrained 

by THP from that date onwards instead of using real gas production. This condition was considered 

for all injection and natural depletion scenarios.  

 

 

Figure 19. Oil saturation in a 3D view before CO2 injection. 

3.5 Results and Discussion 

This section presents the results of the simulated scenarios. The analysis was focused on the 

understanding of incremental oil production by well and field for each case, the oil recovery factor 

in the south region, the GOR evolution and CO2 breakthrough, the compositional changes in the 

gas and oil streams and on the integrated analysis of the scenarios. 

3.5.1 Natural Depletion 

In the natural depletion case, the calculated recovery factor for the south region at the 

abandonment date is 29.8 %, and the cumulative oil for the Well-5 is 18.2 MMbbl. Figure 20 

demonstrates the production behavior in terms of gas and oil rates, as well as the GOR and API 

trends for the Well-5. As it is observed, oil production presents an exponential decline of 1 % 

monthly and GOR exhibits and increasing trend as depletion occurs and the condensate from the 

Well-5 Well-7 
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gas is left in the rock unrecoverable. Consequently, API continues the increasing trend observed in 

the historical data (Figure 21) as heavier components tend to condensate and stay in the reservoir. 

Figure 22 shows the compositional changes of C7+ & C4-6 in the well-5 for the do-nothing case. As 

observed, intermediate hydrocarbons are produced and slowly increment in the oil stream.  

 

 

Figure 20. Production behavior for Well-5 in the do-nothing case. 

 

 

Figure 21. Observed API data for well-5. 
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Figure 22. Compositional changes of C7+ & C4-6 in the well-5 for the do-nothing case. 

 

Figure 23 demonstrates the condensate saturation that occurs in the near-wellbore of the producer 

well versus time.  Condensate saturation increases as an effect of the reservoir depletion. 

 

Figure 23. Condensate drop-out as depletion occurs for well-5. 
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3.5.2 Effects of CO2 Injection rates  

In this section, the effects of injecting the following constant rates: 17, 25 and 35 MMscfd at a 

reservoir pressure of 5250 psia are analyzed (injection starting June 2014).  

Figure 24-Figure 26 shows the oil and gas production profiles and GOR evolution. According to 

these figures, there is an improvement in oil production withing the first months of injection. The 

effect is reflected in the reduction of the oil decline rate (0.6% monthly for the case of 25 MMscfd 

versus 1 % of the depletion case). The incremental oil volume in the Well-5 is 2.7, 3.1, and 3.3 for 

the CO2 rates of 17, 25, and 35 MMscfd, respectively. 

 

Figure 24. Oil production in Well-5 for the evaluated CO2 injection rates. 

 

 

Figure 25. Gas production in Well-5 for the evaluated CO2 injection rates. 
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Figure 26. GOR trends in well-5 for the evaluated CO2 injection rates. 

Figure 27 evidences the pressure support in the south region of M sand for the CO2 injection rates. 

The pressure decline trend is reduced from 0.17 % monthly in the depletion case to 0.12 % in the 

25 MMscfd case.  

  

Figure 27. Reservoir pressure changes due to CO2 injection rates. 

 

 

 

 

06/11 03/14 11/16 08/19 05/22 02/25 11/27 08/30 05/33 01/36
10000

20000

30000

40000

50000
G

A
S

-O
IL

 R
A

T
IO

 (
S

C
F

 /
 S

T
B

)

 GOR

GOR Base case GOR CO2 QGI 17 MMscfd GOR CO2 QGI 25 MMscfd GOR CO2 QGI 35 MMscfd

06/11 03/14 11/16 08/19 05/22 02/25 11/27 08/30 05/33 01/36
3000

3500

4000

4500

5000

5500

A
V

G
 D

A
T

U
M

 P
R

E
S

S
U

R
E

 (
W

T
 B

Y
 H

C
 P

V
) 

(P
S

IA
)

 PAVD

Depletion case 25 MMscfd case 17 MMscfd case 35 MMscfd case



 41 

 

 

Figure 28Figure 32 compare the production behavior of the Well-5 for the injection case of 25 

MMscfd versus the depletion scenario. According to these figures, the incremental oil production 

in the Well-5 due to the CO2 injection can be characterized by three different periods as follows:  

I Period: Pressure support  

The pressure support is the first mechanism that improves the condensate and gas production. The 

miscibility phenomenon occurs at the first contact if the reservoir pressure is above the MMP; 

otherwise, the mass transfer occurs between the CO2, the condensate, and gas phases. Beyond 

that region where these interactions take place, the original reservoir fluid is displaced by the 

injected mass, which increases the reservoir pressure.  

This period is characterized by negligible compositional changes in the gas and oil streams. The 

remaining condensate in the rock that surrounds the producer well is reduced because of the 

reservoir pressure increment that consequently reduces the GOR trend in comparison to the 

depletion case. The API of the condensate continues increasing but not as much as in the depletion 

case.   

Figure 28. C7+ in the produced 
condensate.   

 

 

 

 

 

Figure 29. The CO2 content in the 
produced gas.  
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Figure 30. Average condensate saturation 

in the rock surrounding the producer well. 

 

 

 

 

 

Figure 31. GOR evolution. 

 

 

 

 

Figure 32. API trend.  

 

 

 

 

 

II Period: Rich gas condensate production   

In this period, the initial CO2 breakthrough occurs; this is characterized by an increment of the CO2 

content in the gas stream. The composition of the produced condensate changes as the CO2 

vaporizes some quantity of it that was present in the rock because of the reservoir depletion. The 

C7+ fraction increases with time in the produced condensate and consequently, the API decreases. 

The CO2 front that is being produced is rich in intermediates and heavy components; it is observed 

in the flattening of the GOR trend.  

Another observed phenomenon is the slight increment in the condensate saturation (So) around 

the producer wellbore in comparison with de depletion case, explained by the swelling mechanism 
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of the condensate oil in place that increases its volume and gives it some mobility. As the CO2 

breakthrough continues, it vaporizes the condensate saturation around the producer wellbore. 

III Period: CO2 Cycling  

CO2 cycling is the last part of the flooding process. It is characterized by a strong GOR incremental 

trend as well as the increasing CO2 content in the gas stream. CO2 continues vaporizing the 

condensate in the rock around the producer wellbore (So decreases), and API remains low and 

relatively constant.     

Figure 33 shows the oil recovery factor reached for the different rates. Figure 34-Figure 35 depict 

the GOR evolution and CO2 content in the Well-5 for the mentioned scenarios. According to Figure 

33, the maximum recovery factor obtained is 38% when the reservoir pressure is 5250 psi, and the 

rate is 35 MMScfd. 

The difference in the incremental oil volume for the Well-5 at the rates of 25 and 35 MMScfd, is 

negligible. This fact is due to the greater gas recycling that occurs with 35 MMScfd, evidenced in 

Figure 34 with the early and strong increment in the GOR evolution and in Figure 35 with the 

increment of CO2 content in the gas production stream.   

 

Figure 33. Condensate recovery factor concerning CO2 injection rates. 
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Figure 34. GOR trend of the Well-5 for 25 and 35 MMscfd cases. 

 

 

Figure 35. CO2 Molar fraction in the produced gas stream for the Well-5. 

 

In addition to the benefits of the Well-5, some others wells in M-sand showed incremental oil due 

to the pressure support mechanism (CO2 content does not increase in the gas streams). The Figure 

36 shows the incremental oil volume at field level for the case when injection starts at a reservoir 

pressure of 5250 psi. According to Figure 36, the total incremental oil was 5.0, 6.7, and 8.6 MMbbls 

for 17, 25, and 35 MMscfd of injection, respectively.  
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Figure 36. Incremental oil volume at field level for the case of Res P=5250 psi. 

 

Figure 37-Figure 38  depict the months where the CO2 breakthrough occurs. As observed in Figure 

37-Figure 38, the CO2 starts to be produced in the Well-5 after 60, 49 and 40 months of injecting 

17, 25 and 35 MMScfd respectively.  

 

 

Figure 37. The CO2 content in the gas production stream of the well-5. 
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Figure 38. Time of CO2 breakthrough. 

3.5.3 Effect of the reservoir pressure  

For the reservoir pressure sensitivities, three dates were chosen for the start of injection: June of 

2014, June of 2019 and June of 2024, which correspond to a reservoir pressure of 5250, 4650 and 

4230 psia respectively. For each date, the above three rates were evaluated. 

In all the cases, the reservoir pressure is below the saturation pressure and the quantity of 

condensate in the rock is higher as the depletion increases. Figure 39 represents the condensate 

saturation in the region of the injector well before and after the injection for the 25 MMscfd case 

on different dates. According to Figure 39, the condensate saturation just before the injection is 

0.14, 0.19 and 0.21 for 2014, 2019 and 2024 respectively.  
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Figure 39. Condensate saturation in the region of the injector well before and after the injection 
for the 25 MMscfd case on different dates. 

As observed in Figure 39, CO2 can vaporize most of the condensate saturation in place around the 

injector well, increasing the sweep efficiency. Figure 40 shows the results of normalizing the 

condensate saturation profile in time to understand the effects of the reservoir pressure in the 

mass transfer phenomena. In Figure 40, all cases were plotted since the CO2 injection starts. It is 

interpreted that higher the reservoir pressure, faster and more efficient is the vaporization process. 

 

Figure 40. Normalized condensate saturation around the injector well for different reservoir 
pressures and 25 MMscfd of injection. 
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Figure 41Figure 42 show the oil saturation map of the region at the beginning and after seven years 

of the CO2 injection. According to Figure 41Figure 42, the CO2 can vaporize most of the contacted 

condensate in the reservoir. 

 

 

Figure 41. Oil saturation map at the beginning of the CO2 injection. 

 

 

Figure 42. Oil saturation map after seven years of the CO2 injection. 

Figure 43 presents the calculated incremental oil for Well-5. According to Figure 43, it is observed 

that lower the reservoir pressure, the less the incremental oil.  
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For the 35 MMscfd rate, the benefits in Well-5 were almost the same when injection started at a 

reservoir pressure of 5250 psi or 4650 psi. This is explained because of the higher recycling process 

that occurs at higher pressures where lower condensate saturation is present in the rock and gives 

more mobility to the CO2. Moreover, when the reservoir pressure is low, more condensate is 

present in the rock and reduce the CO2 mobility due to the relative permeability.   

 

 

Figure 43. Incremental oil volume for the Well-5 at the different rates and reservoir pressure 
scenarios. 

Figure 44 depicts the CO2 molar rate production, normalized since the CO2 breakthrough for the 

Well-5 and 35 MMscfd case. Figure 45 shows the GOR trends for the reservoir pressures cases and 

35 MMscfd of injection.   

According to Figure 44,  for the different reservoir pressure scenarios, it is possible to identify a 

higher CO2 production for the higher-pressure case in comparison to the lower-pressure scenario. 

Consequently, the GOR increases faster in the higher-pressure case as observed in Figure 45.  
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Figure 44. CO2 molar rate production, normalized since CO2 breakthrough for the Well-5 and 35 
MMscfd case. 

 

 

Figure 45. Comparison of the GOR trend after injecting 35 MMscfd in 2014 vs. 2019. 

When the reservoir pressure is low, the condensate saturation increases in the rock. The CO2 
injection under this scenario could vaporize a significant part of that saturation; then it is produced 
with the CO2 front, which becomes rich in intermediates and heavier components.  
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Figure 46 shows the injection case of 35 MMscfd at the reservoir pressure of 4230 psi. According 
to Figure 46, the pressure support mechanism is characterized by a stabilization of the GOR trend 
as less condensation occurs in the reservoir. The period of rich gas condensate production is 
characterized by a significant reduction in the GOR, an increment of CO2 content in the gas stream 
and a reduction of the API due to the production of intermediate and heavier components.  

 

 

Figure 46. GOR, API & CO2 molar fraction for the Well-5 at a reservoir pressure of 4230 psi for the 
35 MMscfd case.  

 

Figure 47 presents the incremental oil volume at the field level. According to Figure 47, the 
reservoir pressure has a substantial impact on the incremental oil; CO2 flooding yields better 
results when it is executed at higher reservoir pressures. For the 25 MMscfd case, the incremental 
oil is 6.7, 4.2, and 2.1 MMbbls for the reservoir pressure of 5250, 4650, and 4230 psi respectively. 
It means a reduction in oil volume of 37% if the CO2 starts at a reservoir pressure of 4650 psi instead 
of 5260 psi, or a reduction of 68% if the CO2 starts at a reservoir pressure of 4230 psi.  
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Figure 47. Incremental oil volume at field level for different rates and reservoir pressures 
sensitivities. 

Figure 48 presents the oil recovery factor calculated for the different reservoir pressure scenarios. 

According to Figure 48, for the 25 MMscfd case, the condensate recovery factor was 33, 35 & 37% 

for a reservoir pressure of 5250, 4650, and 4230 psi, respectively. 

 

Figure 48. Condensate recovery factor at field level for different rates and reservoir pressures 
sensitivities. 
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CONCLUSIONS 
 

A fully compositional multiphase flow model was used to evaluate the effects of CO2 injection into 

a gas condensate reservoir. The research objectives were to estimate the condensate recovery 

factor concerning different injection rates scenarios, the reservoir pressure effects in the 

condensate recovery efficiency, the compositional changes of the produced fluids and to 

understand the production mechanisms. The study concludes that: 

 Several specialized PVT experiments must be designed to tune the EOS and describe the phase 

behavior of CO2 correctly when it is mixed with the reservoir fluids. The lack of this information 

when CO2 flooding is simulated could lead to serious errors, as the incremental oil benefits are 

substantially dependent on the phase behavior and mass transfer calculations. 

 

 In the natural depletion case, the condensate recovery factor in the evaluated region would be 

29.8%. The forecasted GOR of the producer well exhibits an increasing trend as depletion 

occurs and the condensate from the gas is left in the rock unrecoverable. Consequently, API 

increases as heavier molecules are left in the reservoir. 

 

 The incremental oil production in the producer well due to the CO2 injection could be 

characterized by three different periods: 

 

- I Period: Pressure support 

The original reservoir fluid is displaced by the injected CO2 mass, which 

increases/maintains the reservoir pressure. This period is characterized by negligible 

compositional changes in the gas and oil streams. The remaining condensate in the rock 

that surrounds the producer well is reduced because of the reservoir pressure increment. 

Consequently, GOR evolution is reduced in comparison to the depletion case. The API of 

the condensate continues increasing but not as much as in the depletion case. 

- II Period: Rich gas condensate production   
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In this period, the initial CO2 breakthrough occurs; this is characterized by an increment of 

the CO2 content in the gas stream. The composition of the produced condensate changes 

as the CO2 vaporizes some quantity of it that was present in the rock because of the 

reservoir depletion. The C7+ fraction increases with time in the produced condensate and 

consequently, the API decreases. The CO2 front that is being produced is rich in 

intermediates and heavy components; it is observed in the flattening of the GOR trend. 

 

- III Period: CO2 Cycling  

 

CO2 cycling is the last part of the flooding process. It is characterized by a strong GOR 

incremental trend as well as the increasing CO2 content in the gas stream. CO2 continues 

vaporizing the condensate in the rock around the producer wellbore (So decreases), and 

API remains low and relatively constant.     

 Three constant injection rates were evaluated: 17, 25 & 35 MMscfd. The incremental oil at field 

level for a reservoir pressure of 5250 psi was 5.0, 6.7 and 8.6 MMbbls respectively. The benefits 

were observed not only by the main producer well but by the other wells in the M sand due to 

the pressure support. The condensate recovery factors for the evaluated region were 35, 37 

and 38% for 17, 25 & 35 MMscfd respectively.  

 

 The CO2 breakthrough occurred after 60, 49 and 40 months of injecting 17, 25 and 35 MMscfd, 

respectively. 

 

 For the reservoir pressure sensitivities, three dates were chosen for the start of injection: June 

of 2014, June of 2019 and June of 2024, which correspond to a reservoir pressure of 5250, 4650 

and 4230 psia respectively. CO2 could vaporize most of the condensate saturation in place 

around the injector well. The higher the reservoir pressure, the faster and more efficient was 

the vaporization processes. 

 

 The reservoir pressure has a substantial impact on the incremental oil, CO2 flooding yields 

better results when it is executed at higher reservoir pressures (early in the field life). For the 

25 MMscfd case, the incremental oil is 6.7, 4.2, and 2.1 MMbbls for the reservoir pressure of 

5250, 4650, and 4230 psi respectively. It means a reduction in oil volume of 37% if the CO2 

starts at a reservoir pressure of 4650 psi instead of 5260 psi, or a reduction of 68% if the CO2 

starts at a reservoir pressure of 4230 psi. 

 

 For the 25 MMscfd case, the condensate recovery factor was 33, 35 & 37% for a reservoir 

pressure of 5250, 4650, and 4230 psi respectively. 
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 When CO2 injection started at high reservoir pressure, the quantity of liquid condensate in the 

rock was small. This condition gave to the CO2 more mobility considering the relative 

permeability curves in comparison to the lower pressure case where higher condensate 

saturation was present in the rock. GOR increases faster as higher the reservoir pressures. 
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